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Abstract: The enrichment of natural gas with hydrogen has been identified as a promising pathway
for power-to-gas technology with the potential to reduce emissions while achieving feasible return
on investment. The evolving regulatory market in the province of Ontario motivates the analysis
of business cases for hydrogen on the industrial microgrid scale. This paper aims to investigate the
financial and environmental returns associated with producing and storing electrolytic hydrogen for
injection into the natural gas feed of a manufacturer’s combined heat and power plants (CHPs). A
mathematical methodology was developed for investigating the optimal operation of the integrated
system (power-to-gas along with the current system) by considering hydrogen-enriched natural
gas. The result of this simulation is an operation plan that delivers optimal economics and an
estimate of greenhouse gas emissions. The simulation was implemented across an entire year for each
combination of generation price limit and storage coefficient. Because the provincial grid imposes a
lesser carbon footprint than that of a pure natural gas turbine, any offset of natural gas by hydrogen
reduces the carbon intensity of the system. From an environmental perspective, the amount of
carbon abated by the model fell within a range of 3000 ton CO2/year. From a policy perspective, this
suggests that a minimum feasible carbon price of $60/ton CO2e must be set by applicable regulatory
bodies. Lastly, a Failure Modes and Effects Analysis was performed for the proposed system to
validate the safety of the design.

Keywords: hydrogen enriched natural gas; combined heat and power unit (CHPs); power-to-gas;
hydrogen economy; failure modes and effects analysis

1. Introduction

The development of renewable energy infrastructure within the province of Ontario
has resulted in a mismatch between supply and demand, with the Independent Electricity
System Operator (IESO) dumping terawatts of clean, low carbon electricity each year at very
low cost [1,2]. With a significant federal carbon tax on the horizon, there is a need for strong,
robust business cases for microgrid systems that incorporate large-scale, efficient energy
storage systems [3–5]. One of the most promising technologies available on a commercial
scale is power-to-gas, an energy storage concept where low price, curtailed renewable
energy is used to transform water into hydrogen gas that can be later redistributed through
various revenue streams [6].

Of the many revenue streams available to power-to-gas, the enrichment of natural gas
with electrolytic hydrogen has garnered significant interest given its ability to reduce operating
costs while increasing renewable content [7,8]. This is particularly important in the context of
Ontario’s utility market, given Environment and Climate Change Canada’s 2016 proposal of
a nationwide clean fuels standard that will include commercial and residential natural gas [9].
The production of hydrogen enriched natural gas (HENG) in Ontario is already occurring
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on the utility scale; however, based on global research, there is potential to realize significant
financial and environmental returns through local industrialized implementation as well [10].
It is important to recognize that these economically favorable and robust business cases exist
today and that hydrogen enrichment through power-to-gas is a technology of the present
rather than of the future [5]. As such, this work will evaluate the economic and environmental
feasibility of introducing electrolyzer-based hydrogen production to enrich the natural gas
feed stream of a combined heat and power plant at an automotive manufacturer in southern
Ontario as a case study for broader provincial development.

A computational model will be developed for the 2018 calendar year, simulating
the hourly production, storage and injection of hydrogen, subject to system capacity,
plant demand and end-use constraints [11,12]. Subsequently, a sensitivity analysis will
be performed to evaluate how changing carbon price and government capital incentives
affects the investment’s financial metrics. In each scenario, the optimal system performance
is identified, given storage and production parameters decided by facility operators. This
information can be further used to suggest key component sizing and predict overall capital
and operating costs for a projected scenario. This analysis forms the basis for preliminary
design development and illustrates what metrics policy makers should target to improve
adoptability of technologies focused on the decarbonization of the industrial sector.

This work is novel in that it simulates hydrogen enrichment in a real system separately
from other pathways, suggesting design features unique to a CHP-based industrial energy
system. In addition, it is valuable in that it identifies policy issues specifically for these types
of preliminary business cases, given features of Ontario’s energy system. The economics
presented are unique to the provincial market, and they stand to demonstrate that simple
systems without complex stacking of revenue pathways can still obtain profitability given
the appropriate incentives. Yeong et al. verified the capability of such power-to-gas
technologies to be implemented within the Canadian energy system, noting that given
appropriate evaluation, the existing infrastructure would possibly withstand hydrogen
blending up to 5% by volume without substantial level-up to avoid failure related to
hydrogen embrittlement [13]. While this work provides excellent insight into the flexibility
of the natural gas transportation framework to accept hydrogen, it does not extend into
an economic analysis for practical business cases. In a study on early business cases for
hydrogen by Tractebel Engineering, distinct concrete business cases were developed for
power-to-gas, which include hydrogen blending into the gas grid [5]. While these business
cases are shown to be profitable in a European context where renewable content within the
energy supply chain is high, they need to be extended to the Canadian energy grid and to
cases where alternative revenue streams such as hydrogen for mobility and grid ancillary
services are not currently practical. Mukherjee et al. [14] performed a techno-economic and
environmental assessment of a hydrogen-powered community within the Ontario market,
estimating capital expenditure, economic returns and identifying key safety parameters
required for an effective design [14]. This paper will extend on this work by considering
hydrogen-enriched natural gas as a potential pathway and by incorporating suggestions
for an inherently safer design. Further studies have recognized the need for power-to-gas
and have made attempts to analyze the technical feasibility of blending hydrogen into CHP
feed streams. Work by Lo Basso (2015) and Whidden (2010) both verified the capacity of
HENG to be produced and blended into combined heat and power feed streams without
significant detriment to system performance [15,16]. These studies were successful in
identifying the potential greenhouse gas reductions obtained with blended plants, and
they motivate an investigation into the practical economic feasibility of these pathways in
industrial plants, particularly within the Canadian economy.

Another report that provides considerable insight into the usefulness of hydrogen
in reducing the carbon intensity of fossil fuels was published by the International Energy
Agency. While they concluded that a grid-wide introduction of hydrogen generated from
fossil fuels is not as economically favorable as alternative abatement options, they were
able to show that the introduction would incur little costs outside those associated with
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production up to 3% vol. and that options exist to scale blending as high as 25% [17].
They go on to recommend further work in this area because hydrogen technology acts
as a necessary bridge between fossil fuel systems and stable renewable infrastructure.
The simulations presented in this report attempt to demonstrate the value of pathway
optimization in the context of industrial microgrids and how electrolytic hydrogen in
particular can overcome infrastructure transition costs.

By developing this simulation, we are demonstrating that not only is hydrogen blend-
ing a safe technology, but it is also readily implementable on the industrial scale. Further-
more, we are demonstrating that there are economic and environmental benefits available
from exploiting a single power-to-gas pathway given the appropriate government incen-
tives. As such, the following milestones outline the objectives of this work:

Developing a mathematical methodology for the storage and injection of hydrogen-
enriched natural gas at an industrial manufacturer’s microgrid;

Performing a technology assessment of the key components of the power-to-gas
system, highlighting proposed suppliers, capital and operating costs;

Analyzing key project environment and economic return indicators to assess the
feasibility of the capital expenditure

Validating the results of this methodology by performing a failure modes and effects
analysis to identify potential risks to plant safety.

2. Simulation Approach

This paper investigates the economic and environmental feasibility associated with
the operation of a power to gas system integrated within an industrial manufacturer’s
energy system.

Under current operation the heating demand of the facility is met entirely by the steam
output of two combined heat and power (CHP) units, which when supplemented by the
provincial energy grid also meet the company’s electricity demand. By introducing power-
to-gas, the manufacturer can take advantage of fluctuations in the Hourly Ontario Energy
Price. When this price drops sufficiently low due to a surplus of available grid energy, not
only is it favorable to pull more from the grid than the CHPs, but this energy can also be used
to generate hydrogen gas. As electricity prices climb, such that CHP generation is favorable,
this hydrogen can then be mixed with natural gas to feed CHP units. Through this, one
can decarbonize the heating and electricity demand for industrial facilities, bringing about
significant energy savings and emission offsets. The challenge that is the focus of this paper is
determining when to produce and store hydrogen and in what amounts.

As shown in Figure 1, electricity from the grid, for which the wholesale price fluctuates,
will be fed to the electrolyzer. This hydrogen is either sent directly to the natural gas pipeline
or to temporary storage. The decision regarding when to produce hydrogen is made by
fixing an upper limit on the grid electricity price, above which no production occurs, for
an entire year of analysis, then varying this limit across a broad range to determine the
optimal financial performance for the given incentive structure. Similarly, the decision to
store hydrogen is made by varying the storage coefficient, which is a ratio of the production
demand to the amount stored.

A model is developed to simulate the blending of hydrogen into the CHP’s natural gas
stream while considering both the demand of the manufacturer for steam and electricity
as well as the cost and carbon content of the energy grid to determine the optimal system
sizing and operating conditions [11,12]. In order to develop the model, it is important
to define key system parameters including historical demand and pricing data, technical
specifications of key hydrogen technologies as well as limitations of the existing energy hub
components. One notable constraint is that the proposed configuration should provide the
CHP with energy in the form of hydrogen-enriched natural gas (HENG) equivalent to the
existing natural gas consumption. Moreover, hydrogen cannot be injected into the existing
natural gas pipeline or consumed by end-use application (i.e., gas turbines) at a volumetric
fraction of more than 5% without significant retrofitting of existing infrastructure [13].
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Figure 1. Simplified schematic of the industrial manufacturer’s energy system including applicable
hydrogen technologies.

Because the provincial grid imposes a lesser carbon footprint than that of gas turbines,
any offset of natural gas by hydrogen reduces the carbon intensity of the system. This offset
results in additional revenue, the amount of which depends on the carbon tax imposed
by relevant governments and on the price below which the company decides to generate
hydrogen. Once the energy system of the client is clearly defined, we construct the model
with the objective of meeting the hourly electricity and heating demand of the facility while
maximizing total revenue generated from a potential Cap and Trade or carbon tax market
and natural gas consumption savings. The result is a system sized for optimal blending
and an answer to the question of when to produce and store hydrogen. Based on this, we
estimate the potential offset of greenhouse gas emissions and key financial metrics. This
process will be repeated across a range of carbon prices and government-based capital
grants with their effect on the net present value and internal rate of return of the project
being investigated. Given projections developed for the province of Ontario’s previous
Cap and Trade program, we will vary the carbon price between $30 per ton and $100 per
ton [4]. Regarding capital grants, investigating the effect of the integration of renewable
energy and power-to-gas benefit industrial facilities [18,19].

The logical flowchart for this mathematical methodology is outlined in Figure 2. The
model is simulated over an entire year, and key performance indicators of the model such
as total revenue generated and emissions offset are tabulated in the computational software
MATLAB. Furthermore, to determine the optimal design conditions, two main opera-
tional variables, the storage coefficient and electrolyzer price threshold are manipulated.
The price threshold is a logical condition in which past a certain hourly electricity price,
the electrolyzer is not run and stored hydrogen is used to meet facility energy demand.
Based on the distribution of electricity prices throughout the course of a year, this leads
to opportunity for optimization. Secondly, there is the storage coefficient which is an
operational variable which dictates the fraction of produced hydrogen stored versus sent
to the CHP unit.

As previously mentioned, the simulation incrementally increases the limit on the
electricity price, under which the decision is made to generate hydrogen. Deciding on a
fixed price limit effectively prevents the simulation from achieving a global optimum while
avoiding the necessity for tedious hourly optimization that would be costly to implement
in practice for the company. If the Hourly Ontario Electricity Price (HOEP) falls below this
value for a given time increment, no hydrogen will be sent from tank storage to the CHP
unit; instead, it is sent directly from the electrolyzer to the CHP and to storage. In this case,
the percent blending of hydrogen into natural gas is determined by taking the minimum of
the infrastructure limit of 5% and the blending limit required to maintain the necessary
power output from the CHP. Because hydrogen has a lower energy content than natural
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gas, as the percent blended at a fixed volumetric flowrate increases the total thermal and
electrical energy produced decreases. As such, the total gas consumption must increase in
order to meet the required industrial demand; however, it is constrained by the maximum
flowrate that the turbine is rated for. As such, this constrains the allowable blending, the
maximum of which is calculated in Equation (1), where Edem represents the total required
energy input to the turbine unit and the maximum flow of natural gas which for the system
in question is 1700 m3/h:

X(k)blend,power =
Edem(k)− Fmax

GNG

Fmax(
1

GH2
− 1

GNG)

(1)
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power-to-gas system.

In this simulation a decision variable known as the storage coefficient, relates the total
hydrogen generation to the amount sent to the CHP during periods of low electricity price.
This is varied to determine the optimal storage rate balancing between the cost of storage
capacity and the potential future savings as the HOEP climbs. It may seem surprising
that not 100% of the hydrogen generated during low price scenarios is sent to storage and
that some would be consumed in the CHP. This is because it is theoretically more efficient
from both a cost and environmental perspective to directly replace CHP generation with
grid electricity, as opposed to converting electricity to hydrogen and hydrogen back to
electricity. However, this is not necessarily the case for two reasons; the CHP must always
be operating in order to meet the steam demand and the capability of the equipment
to ramp is highly constricted by a stark drop in efficiency, as well as costly wear on the
machine. Therefore, if environmental incentives are in place, it remains a potentially viable
solution to offset the significant footprint of burning natural gas. It was found that at a
storage coefficient greater than 0.5, the amount of stockpiled hydrogen produced would
often go unused, which would lead to unfavorable economics of the project. As such, in
order to condense the scope of study the storage coefficient was ranged from 0 to 0.5. In
the case where the amount of hydrogen sent to tank storage exceeds the inventory carrying
capacity, production is scaled back to send only the maximum allowable amount, curtailing
electrolyzer load.

For a case where electricity price exceeds the internal limit, the electrolyzer will
consume no electricity and will produce zero hydrogen. Instead, all hydrogen injection into
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the CHP natural gas line comes from tank storage. The hydrogen blending percentage is
taken to be the minimum of the infrastructure limit; the blending limit required to maintain
power and the percentage were the entire inventory to be emptied due to injection as
calculated in Equation (4).

X(k)blend,inventory =
I(k − 1)

FNGeq(k) + I(k − 1)GNG(
1

GNG
− 1

GH2 )

(2)

Based on the determined blending percentage, the new overall and individual gas
flowrates sent to the CHP are calculated as shown in Equations (3) through (5). The total
hydrogen production is the sum of the blended amount and the amount sent to storage.

FT−CHP(k) =
FNGeq(k)GNG

(Gcomb)
=

FNGeq(k)GNG(
Xblend(k)GH2 + (1 − Xblend(k))GNG

) (3)

FNG−CHP(k) =
(1 − Xblend(k))FNGeq(k)( GH2

GNG
− 1

)
Xblend(k) + 1

(4)

FH2−CHP(k) =
Xblend(k)FNGeq(k)( GH2

GNG
− 1

)
Xblend(k) + 1

(5)

Based on correspondence with the manufacturer a fixed value of $0.19 per m3 is set
for the volumetric cost of purchasing natural gas. Applying emission factors for natural
gas and for the electrical grid as listed by the Independent Electricity System Operator,
the emission offset can be determined. While producing hydrogen will see an increase in
electrical utility expenditure, it is also necessary to account for the increased consumption
of water at the municipality’s industrial rate. Based on the emission and natural gas offsets,
the system’s environmental and economic savings and expenses can be determined using
the following formulae for any individual combination of production limit and storage
parameters (Equations (6) and (7)).

Revenue =
8760

∑
k=1

CCap&Trade(EFNG∆NG(k) + EFgrid∆Egrid(k)) +
8760

∑
k=1

C(k)NG∆NG(k) (6)

Expenses =
8760

∑
k=1

Cgrid∆Egrid(k) +
8760

∑
k=1

CH2O∆H2O(k) (7)

Before running the simulation across a range of operating parameters, the model was
first tested on a select two weeks of data with a fixed price limit and storage coefficient in an
effort to validate the effectiveness of the above equations. The following graph (Figure 3)
shows the resulting breakdown between energy generated by hydrogen and natural gas
combustion, wherein the model continues to meet the total requirement for electricity
and heating demand. While actual demand figures are shown only in percent form per
the company’s request, the hydrogen blending as indicated by the grey line is effectively
modulated between 0–5%. The model chooses to supply the full 5% when possible to
achieve the maximum emissions offset and return on investment, except for when the
energy requirement reaches 96.5% of the system’s maximum capacity. At this point, the
hydrogen blending must be reduced in order to achieve the required output. The yellow
portion of this line indicates when the model is calling for hydrogen to be released by the
storage unit into the CHP. To demonstrate that the model is choosing these times effectively,
the HOEP was overlaid to show this clearing corresponds to peaks in the local electricity
price. As the amount of hydrogen blending increases, subsequently so does the total gas
usage; however, there remains a net decrease in natural gas consumption of 1.6% over the
two-week period (Figure 3).
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3. Technology Screening

In our simulation, we varied two parameters: the storage coefficient and the opera-
tional limit or minimum electricity cost required to run the electrolyzer. At each increment
of these parameters, the economic and environmental benefit was calculated. Because
the condition of the two decision variables impacted equipment size, we needed effective
models relating capacity to capital to determine return on investment. In a P2G system
of this type, there are three primary components: a hydrogen generation module, storage
unit and compressor. In addition to this, considerations must be made regarding the
piping, electrical, controls, and blending unit. For the purpose of this paper the focus will
be directed toward the key P2G components as the remaining equipment is mature and
similar to other compressed gas generation or consumption processes. For our purposes,
these auxiliary installation costs will be built into the capital estimate of the electrolyzer.

3.1. Hydrogen Generation Module

Currently there are two types of electrolyzers widely available within the manufac-
turer’s market for P2G applications: alkaline and Polymer Electrolyte Membrance (PEM).
While alkaline does pose advantages in maturity and operating range, we will not consider
this as a viable option due to the required ramp rates being on the order of hours [19].
This is simply not aggressive enough to effectively respond to changes in the Hourly
Ontario Energy Price [20]. Instead, we select a PEM system which, while not as mature, is
widely available in the local market from suppliers such as Siemens, Proton Onsite and
Hydrogenics. These systems offer increased purity, higher output pressures—but perhaps
most important in reference to our application is the rapid ramp rate of up to 100%/s [21].

We determine the cost of the electrolyzer unit by applying a correlation presented by
Saur [22] as expressed in the equation below. As the model determines the nominal hydrogen
flowrate required for given system parameters, we can calculate the capital cost. It was also
important to account for the electrolyzer’s operation and maintenance costs as well as a single
stack replacement halfway through the operational life equaling 35% of the capital cost as
recommended through direct communication with the supplier. In terms of operating costs, it
is considered that water will be consumed at a rate of 4.45 L per kg of hydrogen produced
and will cost $2.16 per m3 with an annual upkeep of 2.5% capital cost [23].

Celec = $224,490
( .

qH2

)0.6156
(8)
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While the form of this equation is valuable, there has been significant work done in recent
years to economize the electrolyzer. Because Saur presented this equation in 2008, we verify
the accuracy by comparison with today’s numbers. Mayyas, A., et al. performed a bottom-up
cost analysis for this electrolyzer type and estimated a range of 500$/kW and 1100$/kW
for a megawatt scale PEM dependent on global manufacturing rates [24]. Based on recent
production figures reported by the International Energy Agency and assuming a 78% stack
efficiency or 44.7 kWh per kg of H2, we generate the following recalibrated formula [25–27]:

Celec = $88,568
( .

qH2

)0.6156
(9)

3.2. Hydrogen Storage Units

The next significant component in the P2G system is the storage unit, which will be
directly impacted by the model’s selected storage coefficient, a fixed variable relating the
production rate of hydrogen to the amount stored for later use at elevated prices. The total
volume of the storage technology greatly impacts the system’s capability to support grid
ancillary services and offset the electricity consumption of the industrial manufacturer.

There are many potential options available for hydrogen storage which, for the most
part, can be divided into three main categories: physical-based, material-based and un-
derground storage [28]. Material-based chemical or physical sorption technologies are
still in their infancy, and while they offer promising solutions to many of the problems
associated with conventional methods, their storage density remains low, contributing to
commercial unavailability. Bulk storage refers primarily to the pressurization of hydrogen
in natural forming underground caverns, which must be sufficiently tight as to avoid
permeability and be void of minerals rich in sulphite, carbonate or sulfates, so as to avoid
acidification [29]. The specificity, combined with the required infrastructure modifications,
lends itself to a very high capital cost for this option. As such, this leaves physical based
storage methods—particularly compressed gas storage due to safety benefits we will detail
later—as the preferred choice. Not only is compressed storage a mature technology, but it
is widely commercially available, relatively inexpensive and capable of achieving storage
volumes and pressures required for this installation.

The pressure requirement of the CHP unit is a relatively low 15.1 bar, and as such,
the capability of the pressure vessel is influenced by the consideration of an inherently
safe design, the cost of the pressure unit itself and the cost of the compressor. While
significant research lead by organizations such as the Department of Energy looks towards
more lightweight, higher density designs servicing the automotive sector, commercial
tanks are readily available to handle pressures of up to a maximum 500 bar [30]. A study
by James, B.D., et al. investigated in detail the cost of Type IV 250 bar compressed gas
pressure vessels [31]. Based on an annual production of 10,000 systems per year in 2016, the
estimated cost of an installed storage system is $5221(2007) per unit with each unit capable
of storing 5.6 kg H2, which, after adjusting to 2020 values, gives $6580. We will calculate
the volumetric storage of hydrogen by cumulatively adding the product of the storage
coefficient and the hydrogen injected into the natural gas stream. The maximum point will
determine the number of 5.6 kg storage units required by our system and thus the capital
cost. In addition, we will account for an annual maintenance fee of 5% of the total.

3.3. Compressors

A compressor is required to take the hydrogen from the 20-bar outlet typical of PEM
electrolyzers and bring it to the 250 bar for storage. Regarding efficiency, it is widely known
that the two-stage double-acting reciprocating compressor has superior energy efficiency for
high level gas compression [32]. In 2014, NREL, as part of work to design a hydrogen refueling
station, surveyed several vendors and, based off this work, selected a two-stage diaphragm
compressor of this type to increase hydrogen from 20 to 250 bar [33]. At that time, their particular
system was designed to handle 33 kg/h of hydrogen. Furthermore, research is ongoing to
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improve the operation of diaphragm compressors specifically for the application of hydrogen,
enabling low cost and long-life solutions for the unique challenges this gas presents.

From a costing perspective, there is not substantial literature that relates hydrogen
specific compression capital to desired operating parameters. However, there are well
established correlations for determining reciprocating compressors in general. One such
graphical correlation was selected from Chemical Engineering Economics [34]. As per this
publication, additional cost multipliers need to be accounted for, including a 1.25 times
pressure-based correction factor, a 2.5 times stainless steel correction factor, a 1.49 installa-
tion factor and a 2.6 module factor.

4. Results and Discussion
4.1. Economic and Environmental Analysis

The simulation is implemented across an entire year for each combination of generation
price limit and storage coefficient. The result is a surface plot that shows the impact of storage
coefficient and generation limit on the annual profit and emission offset of the proposed
installation. For each parameter setting in the simulation, the maximum required hydrogen
production rate and the maximum required tank storage capacity can be determined and used
to estimate the system’s capital and operating costs. Using this information, the net present
value (NPV) and internal rate of return (IRR) for each scenario can be determined, and the
optimal configuration can be selected for a fixed carbon price and capital grant incentive.

Figure 4 shows one example of a surface plot for the annual simulation with a carbon
price of 30$/ton CO2e. The maximum annual power-to-gas profit occurs at a storage
coefficient of 0.15 and a price limit $0.031/kWh and is equal to $95,973 per year. As the
carbon price is varied from 30$/ton CO2e to 100$/ton CO2e, the storage coefficient and price
limit of the electrolyzer change; however, they remain unaffected by changes in the capital
grant because it simply scales the price for the entire range of system sizes. In particular,
the model will choose to store a higher amount of hydrogen at higher carbon prices, which
intuitively makes sense given that the higher natural gas price will motivate the desire to
offset a greater volume. Similarly, the general trend is to increase the operational limit to
run the electrolyzer from 0.031$/kWh in the case of the lowest carbon tax up to 0.051$/kWh
in the case of the 100$/ton CO2e.

The environmental emission offset follows a similar pattern in regard to carbon price;
however, is less sensitive than the profit (Figure 4b). The surface plot shows that the
environmental offset is fairly unaffected by the storage coefficient which can be derived
from the fact that the actual amount of hydrogen blended into the system is not heavily
dependent on this parameter, which is more likely to actually affect the cost of the hydrogen
produced. The amount of carbon abated increases rapidly with a change in the electrolyzer’s
operation limit, similar to that of the power-to-gas profits. This asymptote indicates the
point where the maximum amount of hydrogen blending is achieved. This also explains
why the system profits reach a maximum at this point: as the amount of hydrogen generated
may increase the cost, no more can be used to offset natural gas. For the $30 per ton case, a
total CO2e offset of 2630 tons was realizable. In cases where the maximum available revenue
and desired emission offset, either internal decision makers are tasked with weighing the
tradeoff or the problem must be transferred to a multi-objective optimization problem.

Because electrolyzer size was not considered a constraint in the model, the range and
frequency of hydrogen production values were recorded and used to suggest a nominal
capacity. Correlations published by Mukherjee et al. [14] agree with regional market data
(NextHydrogen. Personal communication, December 2018) collected from a local supplier on
the per installed kilogram price of electrolytic hydrogen systems [35]. Using this information,
48 separate possible incentive schemes are analyzed, incrementing carbon price by 10$/ton
CO2e from 30$/ton CO2e to 100$/ton CO2e and capital incentive by 10% of initial cost from
0% to 50%. The IRR and NPV for the entire range of data is presented in Figure 5.

Based on the criteria of a positive NPV at the Company’s 8% hurdle rate and suggested
25-year lifespan and an IRR greater than that of the hurdle rate, 16 scenarios prove to be
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economically viable. These 16 scenarios define the feasible region of Figure 5 and show that
as the capital grant increases from 0–50%, the carbon price necessary to guarantee profitable
returns decreases from 100$/ton CO2e to 60$/ton CO2e assuming discrete 10$ increments
(Table 1). While certain scenarios do achieve profitability, the net present value may not be
significant enough to incentivize the organization to undertake such a development. An
example of this occurs when the capital incentive is fixed at 0% with a 100$/ton CO2e carbon
price and a NPV of $53,240 results. In such a project, the importance of power-to-gas must
be argued on grounds of non-economic means. That is the importance of an environmental
offset (which in this case would be approximately 3073 ton CO2/year) above and beyond that
of direct financial remuneration should be taken into account. In this case, the company in
question has set a net-zero reduction target by the year 2050; as such, this problem should be
converted to a multi-objective optimization, a topic for future work [16,36].

Energies 2021, 14, x FOR PEER REVIEW 10 of 21 
 

 

intuitively makes sense given that the higher natural gas price will motivate the desire to 
offset a greater volume. Similarly, the general trend is to increase the operational limit to 
run the electrolyzer from 0.031$/kWh in the case of the lowest carbon tax up to 0.051$/kWh 
in the case of the 100$/ton CO2e. 

The environmental emission offset follows a similar pattern in regard to carbon price; 
however, is less sensitive than the profit (Figure 4b). The surface plot shows that the en-
vironmental offset is fairly unaffected by the storage coefficient which can be derived from 
the fact that the actual amount of hydrogen blended into the system is not heavily de-
pendent on this parameter, which is more likely to actually affect the cost of the hydrogen 
produced. The amount of carbon abated increases rapidly with a change in the electro-
lyzer’s operation limit, similar to that of the power-to-gas profits. This asymptote indicates 
the point where the maximum amount of hydrogen blending is achieved. This also ex-
plains why the system profits reach a maximum at this point: as the amount of hydrogen 
generated may increase the cost, no more can be used to offset natural gas. For the $30 per 
ton case, a total CO2e offset of 2630 tons was realizable. In cases where the maximum avail-
able revenue and desired emission offset, either internal decision makers are tasked with 
weighing the tradeoff or the problem must be transferred to a multi-objective optimiza-
tion problem. 

Because electrolyzer size was not considered a constraint in the model, the range and 
frequency of hydrogen production values were recorded and used to suggest a nominal 
capacity. Correlations published by Mukherjee et al. [14] agree with regional market data 
(NextHydrogen. Personal communication, December 2018) collected from a local supplier 
on the per installed kilogram price of electrolytic hydrogen systems [35]. Using this infor-
mation, 48 separate possible incentive schemes are analyzed, incrementing carbon price 
by 10$/ton CO2e from 30$/ton CO2e to 100$/ton CO2e and capital incentive by 10% of initial 
cost from 0% to 50%. The IRR and NPV for the entire range of data is presented in Figure 
5. 

  
(a) (b) 

Figure 4. Surface plots illustrating the effect of changes in the storage coefficient and the operational limit on the electro-
lyzer on the annual power-to-gas profits (a) and emissions offsets (b). Figure 4. Surface plots illustrating the effect of changes in the storage coefficient and the operational limit on the electrolyzer

on the annual power-to-gas profits (a) and emissions offsets (b).

Energies 2021, 14, x FOR PEER REVIEW 11 of 21 
 

 

  
(a) (b) 

Figure 5. Surface plots illustrating the effect of changes in the carbon price and the government capital incentive on the 
annual Internal Rate of Return (a) and Net Present Value (b). 

Based on the criteria of a positive NPV at the Company’s 8% hurdle rate and sug-
gested 25-year lifespan and an IRR greater than that of the hurdle rate, 16 scenarios prove 
to be economically viable. These 16 scenarios define the feasible region of Figure 5 and 
show that as the capital grant increases from 0–50%, the carbon price necessary to guar-
antee profitable returns decreases from 100$/ton CO2e to 60$/ton CO2e assuming discrete 
10$ increments (Table 1). While certain scenarios do achieve profitability, the net present 
value may not be significant enough to incentivize the organization to undertake such a 
development. An example of this occurs when the capital incentive is fixed at 0% with a 
100$/ton CO2e carbon price and a NPV of $53,240 results. In such a project, the importance 
of power-to-gas must be argued on grounds of non-economic means. That is the im-
portance of an environmental offset (which in this case would be approximately 3073 ton 
CO2/year) above and beyond that of direct financial remuneration should be taken into 
account. In this case, the company in question has set a net-zero reduction target by the 
year 2050; as such, this problem should be converted to a multi-objective optimization, a 
topic for future work [16,36]. 

Table 1. Feasible solutions (shown in green) to the simulation showing favorable economics under carbon prices greater 
than 60$/ton CO2e.CAD-Canadian Dollars. 

Capital Grant 
Incentive 

Carbon Price 
($/ton CO2e) 

Overall 
Capital Cost 

Internal Rate 
of Return 

Net Present 
Value(CAD) 

Annual Profit 
(CAD) 

Environmental 
Offset (ton CO2e) 

0% 100 2,304,695 8.31% 53,240 302,890 3073 
10% 100 2,074,223 9.79% 284,087 302,890 3073 
20% 90 1,843,756 9.52% 213,537 272,192 3046 
20% 100 1,843,756 11.57% 514,934 302,890 3073 
30% 80 1,613,287 9.19% 145,279 241,728 3046 
30% 90 1,613,287 11.52% 444,384 272,192 3046 
30% 100 1,613,287 13.76% 745,782 302,890 3073 
40% 70 1,382,817 8.74% 77,021 211,263 3046 
40% 80 1,382,817 11.48% 376,126 241,728 3046 
40% 90 1,382,817 14.06% 675,232 272,192 3046 
40% 100 1,382,817 16.56% 976,629 302,890 3073 
50% 60 1,152,348 8.12% 9917 180,916 3020 
50% 70 1,152,348 11.42% 307,868 211,263 3046 

Figure 5. Surface plots illustrating the effect of changes in the carbon price and the government capital incentive on the
annual Internal Rate of Return (a) and Net Present Value (b).

In the best case, we see a potential return of $1,207,477, a significant amount given the
capital investment of $1,152,348. This results in a simple payback of 3.8 years, well within
the company’s requirements for projects of this scale. However, this scenario will require
a capital grant incentive of 50% with a carbon price of 100 $/ton CO2. It is important
to note that while capital incentives have a significant and direct effect on the project’s
IRR, favorable NPVs can still be realized at lower capital incentives, so long as the carbon
price remains sufficiently high. The most promising perhaps is the $745,782 NPV available
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at 100$/ton CO2e and 30% capital incentive. Such capital incentives are immediately
realizable through organizations such as the Low Carbon Economy Fund which offers to
cover 25% of the capital investment made by large businesses in projects that reduce CO2
while stimulating the economy [37].

From an environmental standpoint, the amount of carbon offset by the model falls within
a range of 3046 ton CO2/year to 3073 ton CO2/year and increases with the corresponding
carbon price at a rate less than that seen by the financial metrics. Based on this analysis, in
order for the project to be economically profitable, a $60/ton CO2e tax must be implemented.

Table 1. Feasible solutions (shown in green) to the simulation showing favorable economics under carbon prices greater
than 60$/ton CO2e. CAD-Canadian Dollars.

Capital Grant
Incentive

Carbon Price
($/ton CO2e)

Overall
Capital Cost

Internal Rate
of Return

Net Present
Value(CAD)

Annual Profit
(CAD)

Environmental
Offset (ton CO2e)

0% 100 2,304,695 8.31% 53,240 302,890 3073

10% 100 2,074,223 9.79% 284,087 302,890 3073

20% 90 1,843,756 9.52% 213,537 272,192 3046

20% 100 1,843,756 11.57% 514,934 302,890 3073

30% 80 1,613,287 9.19% 145,279 241,728 3046

30% 90 1,613,287 11.52% 444,384 272,192 3046

30% 100 1,613,287 13.76% 745,782 302,890 3073

40% 70 1,382,817 8.74% 77,021 211,263 3046

40% 80 1,382,817 11.48% 376,126 241,728 3046

40% 90 1,382,817 14.06% 675,232 272,192 3046

40% 100 1,382,817 16.56% 976,629 302,890 3073

50% 60 1,152,348 8.12% 9917 180,916 3020

50% 70 1,152,348 11.42% 307,868 211,263 3046

50% 80 1,152,348 14.51% 606,974 241,728 3046

50% 90 1,152,348 17.45% 906,079 272,192 3046

50% 100 1,152,348 20.33% 1,207,477 302,890 3073

4.2. Results: Safety Analysis

Any review of the potential applications of power-to-gas and the hydrogen economy
is incomplete without some discussion regarding the potential mitigation of potential
safety risks. Recent local industrial installations have sparked controversy regarding
the potential hazard to local communities; therefore, it is necessary to address this even
in the design phase [38]. By identifying these risks, the appropriate safeguards can be
implemented to mitigate the likelihood of failure, prioritizing the safety of all stakeholders
and easing community concerns. The proposed design, while implementing relatively
mature technology, is novel within the regional market and, because it involves blending
highly flammable substances, must be treated with particular attention to global as well as
local best practices and standards.

While hydrogen’s applications are promising, a significant hurdle to widespread use
is the lack of well-established codes for stationary storage and its integration to our existing
energy distribution framework [39]. Hydrogen is a very reactive chemical that poses
significant fire and explosion hazards. Further, systems for hydrogen storage and transport
require special materials of construction to prevent the escape of the very small molecule
from its container; this is made even more challenging by the fact that hydrogen must be
stored at high pressure to be sufficiently energy dense for practical purposes. Additionally,
unlike hydrocarbon-based gaseous fuels (such as natural gas), chemical tracers cannot be



Energies 2021, 14, 2445 12 of 21

used to make leaks more detectable to humans (either visually or through odor), as they
cannot diffuse as fast as hydrogen [40].

Considering this, any hydrogen storage and distribution systems installed during this
period of time (while the technology is not common-place) must be subject to stringent
safety analyses to ensure that unexpected and unforeseen hazards can be mitigated and
that public safety is not endangered.

4.2.1. Failure Modes Effects and Analysis

The first aspects to examine are inherently safer design principles and passive mitiga-
tion techniques. Conventional chemical industries use hydrogen as a reactant in continuous
processes, thus minimizing the amount “stored” in the pipes significantly (hydrogen is
only produced as it is used) [41]. This inherently safer design approach is entirely infeasible
for the use of hydrogen as an energy storage medium, and thus it cannot be applied to the
proposed energy storage and distribution systems.

This does not mean that inherently safer and passive design principles cannot be
applied. In fact, it is crucial to consider the impact that materials of construction and
equipment design can have on the likelihood of hydrogen release. Consider that hydrogen-
containing equipment under pressure is particularly susceptible to hydrogen embrittlement.
This process can proceed through a variety of mechanisms and affects most common
materials of construction (e.g., iron, steel) [42]. By selecting materials and design strategies
to minimize the risk of equipment failure, the likelihood of release is significantly decreased.

One aspect of passive equipment design that is often overlooked is the connections
between process equipment and piping systems. Flanges in particular are a “weak spot” in
many piping systems; if there is a leak of hydrogen from high temperature and pressure
line, a jet fire often results [43]. This can heat the flange bolts and cause them to lengthen
(this effect is exacerbated if it is a long-bolt flange), resulting in a larger leak and larger jet
fire. Thus, welded connections should be considered whenever possible, and precautions
should be taken in flange size and gasket selection to avoid jet fire occurrence.

While passive design principles are often the method of choice, active safeguards
are an integral part of any successful design. The most common active safeguard in
hydrogen systems is the pressure relief valve (PRV or PSV). These are devices with a
carefully calibrated spring set to open at a specific pressure so as to avoid overpressuring
the equipment. The valve can be directed to discharge to a flare header or to another safe
location to control the venting of flammable materials [44].

While passive design principles and pressure relief equipment help minimize the risk
of leaks, they do not eliminate it entirely; as such, it is important to have equipment that can
detect leaks or fire and alarm to alert operators of the loss of containment. Infrared detection
and other explosion monitoring sensors (e.g., Lower Explosive Limit (LEL) detectors) can
be used near hydrogen generation, storage, and transport equipment to reduce the severity
of such loss of containment events [45].

The last line of defense for industrial hydrogen safety is procedural safeguards. The
most common ones employed in industry are facility-siting regulations and hot-work
permitting systems.

Facility siting, often combined with required industrial electrical classification deter-
minations, is used to provide guidance as to where certain types of equipment can be used.
It is common to ban non-intrinsically safe devices and internal combustion engines (or
anything else that could inadvertently ignite a hydrogen leak) from process areas where
hydrogen is used.

Hot-work permitting systems are used to stringently regulate where, when, and how
“hot work” (work that can generate sparks or other ignition sources) is performed on an
industrial site. These permitting systems are often accompanied by gas testing procedures,
grounding requirements for electrical equipment, and spark watch/fire watch requirements
for any work that could result in the ignition of flammable substances.
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If all of these planned safeguards fail, emergency response is used to mitigate the
effects of the event once it has started. This involves having appropriate hydrogen emer-
gency response training for plant operators as well as regular communication with local
authorities to coordinate emergency response efforts. Because the required training and
communication is heavily dependent on facility location and the specifics of the chemical
process, a more detailed discussion will not be presented.

NFPA 2, the Hydrogen Technologies Code, can be relied on for most regulatory
direction and safety requirements for these systems. As such, it will be the main resource
for the work that follows. All standards referenced in this paper can be found listed in
Appendix A. The following standards, some of which are referenced by NFPA 2, will also
be consulted:

NFPA 68 (Standard on Explosion Protection by Deflagration Venting)
NFPA 69 (Standard on Explosion Prevention Systems)
NFPA 70 (National Electrical Code)
CGA G-5.5 (Hydrogen Vent Systems).

4.2.2. Power-to-Gas Design Considerations

To mitigate the failure of individual technologies within the power-to-gas system, it is
necessary to develop an inherently safer design. In this section, we will highlight some of
the more important features in the safe design of a hydrogen enrichment system.

Safety for Compressors and Storage: Compression and processing equipment for
gaseous hydrogen is regulated under sections 7.1.15, 7.1.20, and 7.1.21 of NFPA 2. As
a baseline for structural protection, the equipment foundations must be engineered to
prevent frost heaving, and the equipment must be protected from vehicle damage [46]. The
compressors themselves are also subject to stringent pressure protection; each compressor
must have discharge pressure monitoring and must be equipped with check valves at the
outlet to avoid over pressurizing weaker equipment upstream in the event of backflow.
Further, each compressor must be outfitted with valves so that each compressor can be
easily isolated from the system for maintenance. Each compressor must also be outfitted
with pressure protection that has appropriate relieving capacity for abnormal operating
conditions. All equipment used in the system must be specified for hydrogen service.
Finally, because the equipment will operate unattended, it must be outfitted with a high
discharge and a low suction pressure automatic shutdown control [45].

Pressure protection must be provided throughout the system; NFPA 2 specifies that
the pressure relief device discharge must be compliant with CGA G-5.5. This provides
specific information on the required length-to-diameter ratio of the discharge piping, as
well as guidelines to prevent pluggage or obstruction of the vent. Pressure relief valves
or rupture discs should be installed on the compressor, electrolyzer, storage tanks and in
areas of the piping network where there is potential to have isolated spikes in pressure.
All piping, fittings, and components should contain a CRN number and the design must
be registered and assigned a P# via the Technical Standards and Safety Authority. Next,
pressure and temperature indicators must be installed in and around the process units,
always providing workers the operating conditions of the systems.

Whether or not the quantity of gas meets the conditions for a bulk system (more
than 3.96 m3 of hydrogen), installing the system in a gas room or a detached building will
be the safest storage method. The building or room must be built of noncombustible or
limited-combustible materials and must be outfitted with mechanical ventilation at a rate
of at least 1 scf/min per square foot of floor area in the storage space. The vents must be
installed within 0.3 m of the ceiling (because hydrogen is much lighter than air) and the
ventilation system must operate continuously [45].

Explosion control must also be provided, either by means of explosion prevention in
compliance with NFPA 69 or deflagration venting in compliance with NFPA 68. Vessel
construction must adhere to relevant pressure vessel codes and must have a suitable
method of pressure relief [45].
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The room will be subject to electrical requirements specified in Article 501 for Class 1,
Division 2 areas according to NFPA 70, and heating must be provided by steam, hot water,
or other indirect means. The space should be secured against unauthorized entry [45].

Safety for Electrolyzer: The process of water electrolysis is hazardous mostly due to its
products and the amount of energy that must be put into the process. Electrical hazards can
be mitigated by following NFPA 70 for all high-voltage lines and equipment. Ensuring that
the oxygen and hydrogen are collected separately will reduce the risk of hydrogen ignition,
and installing leak detection systems as well as automatic shut-down interlocks should
reduce the risk of oxygen or hydrogen gas build-up [45]. Intensive separation equipment
is not required because the oxygen and hydrogen are already separated at their collection
points. However, the pure oxygen that forms can be very hazardous because it can create
a flammable atmosphere. To prevent an oxygen-rich atmosphere from forming near the
electrolyzer, the oxygen should be vented outside, and gas monitors should be installed
near the electrolyzer to detect leaks of either O2 (any concentration exceeding 23.5% oxygen
being unacceptable) or H2 (any amount exceeding 25% of the Lower Explosive Limit being
unacceptable). The unit must also contain constant monitoring of key process parameters
including flowrates, pressure and temperature to avoid damage to the membrane causing
mechanical failure and the release of explosive gas. It is also important that the system is
monitored and interlocked to the water level to avoid running dry.

Safety for Hydrogen-Enriched Natural Gas Pipelines: Most of the hydrogen produced
will be consumed in the CHP; in order to ensure that the integrity of the existing equipment
will not be compromised, the hazards associated with transporting hydrogen in pipelines
should be considered.

The major consideration is how the inclusion of hydrogen in the natural gas stream
might affect the mechanical integrity of the piping system. Certain metals (particularly,
cast iron and some kinds of steel) should not be subject to more than 5% hydrogen in
the pipeline by volume, or else they risk being embrittled by the hydrogen gas; this is
very undesirable considering the high temperature and pressure to which the system is
subjected. However, some types of steel could handle hydrogen concentrations of up to
20% without modification [13].

The end use equipment (that is, the CHP turbine itself) is also subject to limitations
in hydrogen content. It is estimated that the end-use device for this system can handle
a hydrogen content of 5% at the most; if retrofitted at additional capital cost, up to 40%
hydrogen could be used in the turbine. If small volumes of hydrogen are used, there should
be no mechanical integrity concerns with either the piping or the CHP; if more significant
amounts are to be used, then the CHP will certainly require a retrofit, and other system
piping and pipe fittings may need to be upgraded.

Local regulations place a limit on the change in rate of hydrogen injection of 2%/min
due to the potential of over pressurization. To mitigate this, pressure sensing devices will
be connected to the regulator via the programmable logic controller’s (PLC) control circuit
to ensure this amount is not exceeded. To prevent risk of explosion and failure due to
embrittlement, all material will be rated to schedule 80 and built according to ANSI.ASME
B31.3. Furthermore, LEL monitoring should be present at all times near high-risk areas to
detect potential hydrogen leaks.

It should be noted that hydrogen blending will not introduce additional electrical area
classification requirements, as the area should remain classified as being a space where
flammable gases are handled inside of a process but should not escape unless there is a
process upset (Class 1, Division 2). However, for existing leak detection systems to be able
to detect hydrogen leaks, gas detection equipment should be installed near the ceiling
of the building containing the CHP. Further, existing pressure safety valve contingency
studies should be revisited to ensure that blending hydrogen into the natural gas does
not change the required relief capacity. A full summary of the Failure Modes and Effects
Analysis of the system can be found in Table 2.
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Table 2. Summary of the Failure Modes and Effects Analysis of the power-to-gas HENG system noting the potential control measures available to mitigate risk.

Process
Function Failure Mode Severity Potential Effect(s) of

Failure Detectability
Potential

Cause(s)/Mechanism(s)
of Failure

Occur RPN Relevant
Codes/Standards Potential Control Measures

Hydrogen
Dispensing

Operation error 6 Leakage leading to
deflagration 4 Human error 3 72 1 Periodic training for operator certifications

Rupture of
underground pipes 8 Leakage leading to

deflagration 6 Corrosion due to
cold temperatures 2 96 1,3,4,5,6 Apply corrosion-resistant coating. Use

thicker piping (Schedule 80)

Backflow of gas 7 Pressure buildup leading
to explosion 3 Power outage 3 63 1,3,4,5,6 Back-up power storage

Storing
Hydrogen

Tank level at
lower limit 6 Implosion 3 Uncontrolled outlet flow

or failure of control valves 3 54 1,3,5,6,7,8 Low level sensor interlocks and alarms.
Preventative maintenance of valves

Overflow 7 Release of H2 leading
to deflagration 3 Uncontrolled inlet flow or

failure of control valves 3 63 1,3,4,5,6,7,8 High level sensor interlocks and alarms.
Preventative maintenance of valves

Underpressure 7 Implosion 3 Decreased temperature or
uncontrolled outlet flow 2 42 1,3,4,5,6,7,8 Pressure indicator interlocks and alarms.

Preventative maintenance of valves

Overpressure 7 Gas buildup leading
to explosion 4 Increased temperature or

uncontrolled inlet flow 2 56 1,3,4,5,6,7,8 Pressure indicator interlocks and alarms.
Preventative maintenance of valves

Fracture 7 Leakage leading
to deflagration 6 Forklift collision 2 84 1,3,4,5,6,7 Safeguards and barriers implemented to

protect transfer areas

Heated storage tank 9 Pressure buildup leading
to explosion 5 External fire 1 45 1,5,6,7,9,10,

15,16,17,18
Instantaneous fire suppression systems.

Install temperature sensors

Hydrogen
Compression

Overpressure 7 Gas buildup leading
to explosion 4 Failure of control valves 2 56 1,3,5,8 Pressure indicator interlocks and alarms.

Preventative maintenance of valves

Heated compressor 10 Pressure buildup leading
to explosion 5 External fire 1 50 1,3,5,6 Instantaneous fire suppression systems.

Install temperature sensors

Backflow of gas 7 Leakage leading
to deflagration 3 Reduced inlet pressure 2 42 1,3,5,6 Implement check valves

Electrolysis

Oxygen accumulation 7 Combustion 6 Blocked vent for
oxygen gas 2 84 5,8,11 Preventative maintenance inspections. Gas

detectors in place

Gas leaks 6 Combustion 4 Failure of control valves 3 72 5,11 Gas detectors interlocked with electrolyzers

Water purification
failure 3 High levels of impurity 3 Impurity and residue

build-up 3 27 5,8,11

Sensors in place to detect purity of water
interlocked with shutting down

electrolyzer. Preventative
maintenance inspections

Electric charge
builds up 6 Potential ignition source 2 Low water levels,

improper wiring 3 36 5,8,11 Level sensors for water interlocked
with electrolyzers
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Table 2. Cont.

Process
Function Failure Mode Severity Potential Effect(s) of

Failure Detectability
Potential

Cause(s)/Mechanism(s)
of Failure

Occur RPN Relevant
Codes/Standards Potential Control Measures

Hydrogen
Enriched

Natural Gas
in Pipelines

Hydrogen
embrittlement 6 Gas buildup leading

to combustion 7 H2 concentration
introduced too high 2 84 3,4,12,13 Apply corrosion-resistant coating. Use

thicker piping (Schedule 80)

Plugged Line 7 Pressure buildup leading
to explosion 3 Manually closed valve 3 63 3,4,5,12,13,14,19 Proper lock-out & tag-out procedures

Overshoot hydrogen
injection limit 7 Pressure buildup leading

to explosion 4 Increased percentage of
hydrogen pipelines 3 84 3,4,12,13,14

Invest in dedicated gas engines with
sophisticated control systems. Control inlet

of hydrogen to be < 2% min−1

Excavation damage 9 Combustion 6 Human error 2 108 3,4,5,12,13,14,19 Safeguards and barriers implemented to
protect transfer areas

Process
Control
Systems

Uncontrolled flows
into process units 6 Pressure buildup leading

to explosion 3 Control system failure 4 72 4,5
Depending on the process, the valves

should be programmed to be fail-safe and
open/close upon failure

Overpressure of
process units 6 Pressure buildup leading

to explosion 3 Valve failure or blockage
in pipe 6 108 4,5 Valves should be fail-safe. Pressure relief

valves and rupture discs should be in place
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5. Conclusions

The use of hydrogen enriched natural gas to offset the carbon intensity of fossil fuels
in industrial combined heat and power microgrids has shown favorable financial and
environmental potential given a significant enough provincial or federal carbon tax. Our
system used electricity from Ontario’s provincial grid to convert water into hydrogen in
a 345 m3hr−1 PEM electrolyzer. This hydrogen was compressed to a pressure of 172 Bar
using a Greenfield reciprocating compressor and either stored for later use in 89 kg tanks or
sent directly to a blending system to be injected into the combined heat and power plant’s
natural gas stream.

Currently realizable capital incentives can see IRRs as high as 13.76% with net present
values of approximately $750,000. To realize financial feasibility, the carbon price in Ontario
must achieve or exceed a minimum of 60$/ton CO2e. In Ontario, the carbon price is
currently 20$/ton CO2e; however, it is projected to increase to 50$/ton CO2e by 2022. The
feasible region ranged from 100$/ton CO2e with 0% capital grant producing an IRR of
8.31% to 100$/ton CO2e and 50% capital grant corresponding to an IRR of 20.33%. In all
economically feasible, cases the system operating under an optimal storage coefficient
and operational limit produced an emission offset greater than 3000 ton CO2 per year.
The system’s finances were relatively sensitive to changes in the operational limit of the
electrolyzer; however, they plateaued after maximum available blending was achieved. As
such, improving blending tolerances could allow for significant increases in the economic
viability of the project. While a 5% maximum was considered in the simulation, given
a thorough assessment and modification of the infrastructure and end-use application
compatibility, it would not be unreasonable to see this number increase into the range of
10–20% in the future.

Hydrogen has been a part of industrial operations for decades, and as such, there
is a significant precedent for its safe use. While the proposed uses of hydrogen for this
project are less well-established, existing knowledge for the safe storage and handling of
flammable gases as a fuel source can be coupled with the knowledge of hydrogen-specific
hazards to develop a comprehensive safety management strategy.

New generation and storage systems should be designed to state-of-the-art standards
for materials of construction (to avoid hydrogen embrittlement) as well as pressure protec-
tion and leak detection; facility siting is also paramount to ensure that risk is minimized.
Existing infrastructure that will now be handling hydrogen gas (i.e., CHP and associated
piping) should be rated for a maximum hydrogen content to ensure that the material is
not weakened by the blending of hydrogen, and advanced hydrogen detection systems
should be installed near the ceiling to detect any accumulation of hydrogen in enclosed
areas. Refueling stations should be designed to industry standards, including modern
safety features such as automatic shutoffs and breakaway hoses. Finally, hydrogen fuel
cell vehicles should be designed to minimize the quantity of hazardous materials carried
on board, and rigorous preventative maintenance should be performed to ensure that all
safety devices associated with the vehicles are functioning properly.

As with any other potentially hazardous chemical, the existence of the hazards does
not mean that the process cannot be made safe. If appropriate steps and mitigations are
taken to ensure that the system poses negligible risk to the industrial site and surrounding
community, a hydrogen generation, storage, and use system can be built to optimize the
energy consumption patterns for the industrial site.

While the proposed system can achieve favorable economic and environmental out-
looks, given the right incentive structure, it would not be feasible if it could not be operated
safely. A Failure Modes and Effects analysis was carried out that identified 22 possible
failures amongst 6 critical control points. After reviewing relevant codes and standards
for hydrogen-based systems in Ontario as well as applicable national standards, active
safeguards were suggested to mitigate the risk associated by each failure mode. In doing
so, we can conclude that a power-to-gas system implemented on the industrial scale in
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Ontario would not only see favorable returns given the correct regulatory climate but also
would not impose any significant risk to the public or to the plant.
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Nomenclature

Reference Number Relevant Standard

GNG HHV Natural Gas

GH2 HHV Hydrogen

LL Limit on H2 Generation PRice

HOEP Hourly Ontario Energy Price

Xblend, inventory H2 Volume Fraction Sent to CHP After Inventory Dump

Xblend, power Maximum Volume Fraction of H2 to Maintain Electrical Power

Xblend, max Maxiumum Volumetric Blending

Xblend Actual Volumetric Blending

FH2,Elec-CHP H2 sent from Electrolyzer to CHP

FH2, CHP H2 sent to CHP

FT Total Gas

Fmax Maximum Gas Flowrate

FNG, CHP Flow of Natural Gas to CHP

FNGeq Equivalent Natural Gas

FH2,Storage-CHP Natural Gas Sent From Storage to CHP

FH2,Elec-Storage Natural Gas Sent From Electrolyzer to Storage

δstorage Storage Coefficient

t Current Time Stamp

IH2 Inventory of Hydrogen

IH2,MAX Maximum Hydrogen Inventory

IH2,prev Hydrogen Inventory of Previous Time Stamp
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Appendix A. Relevant Codes & Standards

Reference Number Relevant Standard

1 OHSA 1910.103

2 SAEJ2600

3 CAN 1784-000

4 ASME B31.12

5 NFPA 2

6 NFPA 55

7 FSM Division 13.03

8 ISO-TC 58

9 FSM Division 13.02

10 FSM Division 16.06

11 ISO 22734-1:2008

12 ASME B31.3

13 ASME B31.9

14 SAE J2578

15 NFPA 70

16 NFPA 72

17 NFPA 110

18 NFPA 170

19 NFPA 52

20 NFPA 68

21 NFPA 69
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